The Anticosti Basin is a large Paleozoic basin in eastern Canada where potential source and reservoir rocks have been identified but no economic hydrocarbon reservoirs have been found. Potential source rocks of the Upper Ordovician Macasty Formation overlie carbonates of the Middle Ordovician Mingan Formation, which are underlain by dolostones of the Lower Ordovician Romaine Formation. These carbonates have been subjected to dissolution and dolomitization and are potential hydrocarbon reservoirs. Numerical simulations of fluid-overpressure development related to sediment compaction and hydrocarbon generation were carried out to investigate whether hydrocarbons generated in the Macasty Formation could migrate downward into the underlying Mingan and Romaine formations. The modeling results indicate that, in the central part of the basin, maximum fluid overpressures developed above the Macasty Formation due to rapid sedimentation. This overpressured core dissipated gradually with time, but the overpressure pattern (i.e. maximum overpressure above source rock) was maintained during the generation of oil and gas. The downward impelling force associated with fluid-overpressure gradients in the central part of the basin was stronger than the buoyancy force for oil, whereas the buoyancy force for gas and for oil generated in the later stage of the basin is stronger than the overpressure-related force. Based on these results, it is proposed that oil generated from the Macasty Formation in the central part of the basin first moved downward into the Mingan and Romaine formations, and then migrated laterally up-dip toward the basin margin, whereas gas throughout the basin and oil generated in the northern part of the basin generally moved upward. Consequently, gas reservoirs are predicted to occur in the upper part of the basin, whereas oil reservoirs are more likely to be found in the strata below the source rocks.
INTRODUCTION
The Anticosti Basin is a large (approximately 120 000 km 2 ) Paleozoic sedimentary basin covering the northern part of the Gulf of St. Lawrence, including Anticosti Island (Fig. 1) . The preserved succession of the basin consists of Lower Ordovician to Lower Silurian carbonates. Studies by Bertrand (1987 Bertrand ( , 1990 Bertrand ( , 1991 indicate that the shales of the Upper Ordovician Macasty Formation contain >3.5% total organic carbon (TOC) and have reached the oil (northern part) and gas (southern part) windows. Source rocks equivalent to the Macasty Formation are widespread in other parts of the St. Lawrence Platform ). Therefore, it is possible that organic-rich shales are distributed over much of the Anticosti Basin, and large amounts of hydrocarbons may have been generated. Despite the hydrocarbon potential, limited exploration has been carried out in the Anticosti Basin. To date, 13 holes have been drilled on Anticosti Island, which corresponds to one drill hole per 8645 km 2 for the basin. Since the discovery of the Port au Port oil field in neighboring western Newfoundland in 1995 (Cooper et al. 2001 , much attention has been paid to the Anticosti Basin, and a new round of exploration is underway ). Dolostones of the Early Ordovician Romaine Formation in the Anticosti Basin (Figs 1 and 2), a time and faciesequivalent of the reservoir rock in the upper part of the St. George Group in western Newfoundland (Azmy et al. 2008) , show significant porosity and evidence of oil migration (Chi & Lavoie 2001; Lavoie et al. 2005) . Dolostones and dolomitized limestones of the Middle Ordovician Mingan Formation above the Romaine Formation have also been shown to be locally porous, representing another potential hydrocarbon reservoir unit ).
Both the Romaine and Mingan formations were the targets of recent exploration led by Shell Canada -Encal -Corridor Resources -Hydro-Québec Oil and Gas. The Romaine and Mingan formations lie stratigraphically below the Macasty Formation, and have not been thrusted or reversefaulted into positions above the source rock, although some extensional faulting places the potential source and reservoir rocks in local juxtaposition (Lynch & Trollope 2001) . Therefore, the existence of hydrocarbon reservoirs in the Romaine and Mingan formations depends on whether hydrocarbons generated in the Macasty Formation can migrate downward, in addition to suitable trapping Thickness and stratigraphy were compiled from data in Bertrand (1987 Bertrand ( , 1990 , Williams (1974) , and Waldron et al. (1998) . Lithology, time interval, and thickness data are in Table 1 . The modern erosion surface is mainly based on Bertrand (1987 Bertrand ( , 1990 , and the Mid-Silurian hiatus is based on Waldron et al. (1998) . The modern erosion surface is inclined to the north, indicating that there has been more erosion in the north than in the south.
and sealing conditions. The direction of hydrocarbon migration depends on hydraulic potential (Hubbert 1940) or fluid overpressure (a positive difference between actual fluid pressure and hydrostatic pressure), in addition to buoyancy and capillary forces (Hubbert 1953; Garven 1989; Bethke et al. 1991) . Therefore, it is important to know the distribution of fluid overpressure throughout the history of the Anticosti Basin in order to evaluate the possibility of hydrocarbons migrating downward from the Macasty Formation to the Mingan and Romaine formations. Fluid flow in sedimentary basins is typically driven by fluid overpressures related to sediment compaction in the sedimentation stage, and by topographic relief in the uplifting stage (Garven 1989; Bethke et al. 1991) , whereas compression and thrusting can provide additional forces near the structural front in foreland basins (Ge & Garven 1992) . In this study, we focus on modeling of fluid overpressures in the sedimentary stage because much of the primary migration of hydrocarbons from source rocks to carrier beds may have taken place during this stage. Topography-driven flow, which is important for secondary migration or redistribution of hydrocarbons, is not studied here. Fluid overpressure during sedimentation is primarily caused by disequilibrium compaction, and by hydrocarbon generation to a lesser extent (Swarbrick et al. 2002) . Several studies suggest that hydrocarbon generation can be a major contribution to overpressure development (Bredehoeft et al. 1994; Luo & Vasseur 1996; Lee & Williams 2000; McPherson & Bredehoeft 2001; Hansom & Lee 2005) . We model the distribution of fluid overpressure caused by disequilibrium compaction and oil and gas generation in the Anticosti Basin based on estimated thicknesses, lithologies, sedimentation durations, and TOC contents of different stratigraphic units across the basin. This was performed by numerically solving the compaction, fluid flow, and heat transfer equations as described in Bethke (1985) and equations related to the effect of hydrocarbon generation as modified from Bredehoeft et al. (1994) , Lee & Williams (2000) and Hansom & Lee (2005) . The possibility of downward migration of hydrocarbons is evaluated based on the magnitude of the buoyancy force (upward) and the vertical impelling force related to downward gradient of overpressure (Hubbert 1953) .
GEOLOGIC SETTING
The Anticosti Basin is part of the St. Lawrence Platform developed along the Paleozoic Laurentia continental margin (Sanford 1993) . It consists of two sedimentary packages: a Cambrian to Lower Ordovician passive margin succession and a Middle Ordovician to Lower Devonian foreland basin succession (Waldron et al. 1998; Lavoie 2008) . The transition from passive margin to foreland basin is marked by an unconformity between the Lower Ordovician Romaine Formation and the Middle Ordovician Mingan Formation (Desrochers & James 1988) . This unconformity is a continent-wide feature (Sauk-Tippecanoe sequences unconformity; Sloss 1963) and its development was enhanced by migration of a tectonic peripheral bulge that marks the onset of Iapetus subduction and the Taconian Orogeny (Jacobi 1981; Knight et al. 1991) .
The passive-margin succession unconformably overlies the Precambrian basement, and comprises a thin veneer of Cambrian (?) transgressive siliciclastic sediments followed by Lower Ordovician Romaine Formation (Arenigian). A thick succession of Cambrian sediments is widespread in western Newfoundland and consists of siliciclastic -carbonate rocks of the Lower Cambrian Labrador Group and carbonates of the Middle to Upper Cambrian Port au Port Group (Waldron et al. 1998; Lavoie et al. in press ). In the northern part of the Anticosti Basin, Cambrian sediments are absent and the Romaine Formation directly overlies the basement, but Cambrian sediments are inferred to be present south of Anticosti Island (Williams 1974) . The Romaine Formation is exposed on the northern edge of the basin (Fig. 1B) , and is encountered by drill holes on Anticosti Island ). The Romaine Formation is composed of dolostones and dolomitic limestones, with minor sandstones and shales (Desrochers & James 1988) .
The preserved foreland basin succession of the Anticosti Basin consists of (in ascending order) the Middle Ordovician Mingan Formation, the Upper Ordovician Macasty, Vauréal, and Ellis Bay formations, and the Lower Silurian Anticosti Group ). The Mingan Formation (Darriwilian to Caradocian) consists of limestones and dolomitic limestones, with minor shales and sandstones. The Macasty Formation and the lower part of the Vauréal Formation (late Caradocian to early Ashgillian) are mainly composed of shales with minor sandstones, whereas the upper part of the Vauréal Formation, the Ellis Bay Formation, and the Anticosti Group (Ashgillian to Llandoverian) are composed of limestones with minor shales and sandstones (Bertrand 1987; Sanford 1993) .
Studies of organic matter maturation (Bertrand 1987 (Bertrand , 1990 indicate that as much as 3.5 km of sediment was deposited above the Anticosti Group and subsequently eroded. Siliciclastic rocks of the Lower Devonian Clam Bank and Red Island Road formations are preserved in western Newfoundland (Burden et al. 2002; Quinn et al. 2004) and, from seismic correlation, the Clam Bank Formation is interpreted to be present southeast of Anticosti Island (Sanford & Grant 1990) . Waldron et al. (1998) suggested that there was regional, tectonically driven pre-Late Silurian erosion in the foreland basin, followed by further sedimentation from latest Silurian to Early Devonian. We infer that the eroded strata in the Anticosti Basin were initially deposited from Late Silurian to Early Devonian.
The Appalachian foreland basin was developed in response to multiple tectonic events (Taconian, Acadian, and Alleghanian) in the Appalachian Orogen (Quinlan & Beaumont 1984) . The foreland basin sedimentation in the Anticosti Basin was largely the result of the Taconian Orogeny (late Darriwilian to early Ashgillian) to the south (Malo 2004; Lavoie 2008) . The first thrusting event may have taken place in late Darriwilian to early Caradocian, resulting in formation of tectonic highlands in the Gaspé and the initial foreland basin sedimentation of the Mingan Formation (Malo 2004) . Rapid sea-level rise combined with continued foreland subsidence during the late Caradocian led to deposition of the Macasty Formation in the sediment-starved Anticosti Basin (Malo 2004) . Renewed thrusting in the Ashgill resulted in rapid deposition, followed by slow sedimentation in the Llandovery (Malo 2004; Long 2007) . After a prolonged period of uplifting and erosion in the Anticosti Basin, sedimentation may have resumed from Late Silurian to Early Devonian, in response to the Acadian Orogeny (Lochkovian to Givetian) (Waldron et al. 1998; Burden et al. 2002; Quinn et al. 2004) ; much of these sediments subsequently eroded after the Acadian Orogeny.
As part of the St. Lawrence Platform, the strata in the Anticosti Basin have not experienced significant tectonic deformation. They strike northwest and dip gently to the southwest (Fig. 1B) , with no evidence of folding (Castonguay et al. 2005) . Seismic profiles indicate a series of northwest-trending high-angle faults with a downthrown southwest block (Lynch & Trollope 2001; Lynch & Grist 2002) . These faults primarily affected the lower part of the succession including the Romaine, Mingan, and Macasty formations and to some extent the base of the Vauréal Formation ).
PHYSICAL MODEL AND CALCULATION METHODS
A model cross-section of the Anticosti Basin (Fig. 2) was constructed based on the stratigraphic data compiled by Bertrand (1987) . The location of the section is shown by line a-a' in Fig. 1A . The southern end of the section corresponds to the Appalachian structural front (dashed line in Fig. 1A) , and the northern end is located north of the erosional edge of the basin. The strata located south of the Appalachian structural front belong to the Appalachian Orogen and are not included in the model.
The model comprises eight hydrostratigraphic units: (1) the Cambrian transgressive veneer, (2) the Romaine Formation, (3) the Mingan Formation, (4) the Macasty Formation, (5) the lower part of the Vauréal Formation, (6) the upper part of the Vauréal Formation and the Ellis Bay Formation, (7) the Anticosti Group, and (8) Upper Silurian to Lower Devonian sediments that have been eroded. The lithology, duration, TOC, and thickness data are in Table 1 . The thickness data in Table 1 are multiplied by a decompaction factor to get initial thickness values before compaction. The decompaction factors for individual hydrostratigraphic units were determined by trail-and-error to achieve the postcompaction thicknesses in Table 1 . The lithologic composition of the different hydrostratigraphic units is represented by different combinations of sandstone, shale, and platform carbonates. No lateral changes in lithology are invoked due to lack of data. Thicknesses are controlled by three drill holes (ARCO, NACP, and LGCP), and are extrapolated from isopach maps compiled by Bertrand (1987) . The TOC of 5.4% for the Macasty Formation (Table 1) represents the value before maturation, which was extrapolated from the data of Bertrand (1991) . The modern erosion surface (Fig. 2) indicates that much of the northern part of the basin was removed by erosion. 
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The total length of the section is 220 km. The model section is divided into 20 evenly distributed columns. The left boundary (south, basin center) is considered a plane of symmetry; no fluid flow or heat transfer occurs across this boundary. The right boundary (north, basin edge) is open to fluid flow. The bottom boundary is closed to fluid flow and subject to a heat flux of 56.3 mW m )2 based on a thermal gradient of 26°C km )1 derived from organic matter maturation studies (Bertrand 1987 (Bertrand , 1990 . The upper boundary is open to flow, and has a fixed temperature of 20°C based on interpretation that much of the sedimentary succession in the Anticosti Basin was deposited in tropical conditions (Long 2007) . Numerical modeling was carried out to simulate fluid flow and overpressure evolution using the physical model described above. Calculations were made (i) considering only the effect of disequilibrium compaction and heating on fluid overpressure development and (ii) taking into account the additional effect of oil and gas generation.
The thermal expansion coefficient, compressibility coefficient, heat capacity and heat conductivity of fluid and the density, heat capacity and heat conductivity of solid matrix are assumed to be constants (Table 2 ), adopted from Bethke (1985) and Garven (1985) and summarized in Chi & Savard (1998) . Fluid density and viscosity are calculated from fluid temperatures using the relationships in Bethke (1985) and Bethke et al. (1993) . Rock porosity (u) is related to effective depth (z e ) as described in Bethke (1985) :
where u 0 is the porosity at deposition, u 1 is the irreducible porosity, and b is an empirical parameter (Table 3) . Permeability (k) is related to porosity by
where k x is horizontal permeability and A and B are lithology-dependent constants (Table 3) . Vertical permeability (k z ) is calculated from horizontal permeability with the ratio being a lithology-dependent constant (Table 3 ).
The porosity-depth and porosity-permeability relationship parameters are adopted from Harrison & Summa (1991) for sandstone and shale, and from Kaufman (1994) for limestone (Table 3) , as summarized in Chi & Savard (1998) . Sensitivity studies were carried out by varying these parameters. The vertical and horizontal permeabilities of the rocks are calculated as the harmonic and geometric means of the lithologic components respectively. The governing equations and numerical procedures are similar to those in previous studies (Bethke 1985; Bethke et al. 1993; Chi & Savard 1998; Lee & Williams 2000; Chi 2001; Hansom & Lee 2005) and are not described here. However, calculation of the effect of hydrocarbon generation on overpressure development, and of the fractions of oil and gas generated, requires some elaborations in addition to those by Lee & Williams (2000) and Hansom & Lee (2005) . The flow equation used in the numerical modeling, derived from the general governing equation of Bethke (1985) and with consideration of the effect of oil and gas generation (Hansom & Lee 2005) , is:
where V b is the volume of a finite difference block, / is the porosity, / h is the porosity in the intermediate time step, b is the coefficient of compressibility of pore fluid, b is a coefficient related to porosity decrease with depth, q sm is density of fluid-saturated medium, q is the density of fluid, w is the fluid overpressure, t is the time, x is the horizontal coordinate, z is the vertical coordinate, k x is the horizontal permeability, k z is the vertical permeability, l is the fluid dynamic viscosity, Dx and Dz are the horizontal and vertical size of the finite difference block, V zm is the settling velocity of a block, a is the coefficient of thermal expansion of the pore fluid, T is temperature, and q o and q g are source terms for oil and gas generation respectively. This equation is solved, together with the compaction equation and the heat transfer equation, for overpressure (1) Heat capacity
References: (1) Bethke (1985) ; (2) Garven (1985) . References: (1) Harrison & Summa (1991) ; (2) Kaufman (1994) . *Permeability calculated from A and B is in darcies (1 darcy = 9.869233 · 10 )13 m 2 ).
(w), temperature (T), and porosity (/). The values of q o and q g are related to density changes from kerogen to oil and from oil to gas as follows:
where X o and X g are fractions of oil and gas generated (out of the total capacity for oil and gas generation respectively); t is the time; q k , q o , and q g are the density of kerogen, oil, and gas respectively; X k is the volume fraction of kerogen in sedimentary rocks; and V b is the volume of the finite difference block. In this study, the density of kerogen was assumed to be 1.45 g cm )3 (Lee & Williams 2000) , the density of oil was assumed to be 0.9 g cm )3 (Speight 2006) , and the density of gas depends on temperature and pressure and was calculated from an equation of state of Duan et al. (1992) , following Hansom & Lee (2005) . The volume fractions of kerogen were calculated from the TOC wt% values. The kerogens of the Macasty Formation belong to type II (Bertrand 1991) , which may contain 68 to 74 wt% C (Bordenave 1993) . Assuming an average of 71 wt% C in the kerogens and a density of 1.45 g cm )3
and 2.5 g cm )3 for the kerogens and rocks respectively, X k can be calculated from TOC as follows:
The X o and X g values are related to the kinetics of kerogen-to-oil and oil-to-gas conversion. Because oil and gas generation are considered as first-order reactions, the change of kerogen fraction (V) with time (t) can be expressed as follows (Bredehoeft et al. 1994) :
where k is the rate of oil or gas generation, which can be calculated according to the Arrhenius model:
where A is the pre-exponential factor (h )1 ), E is the activation energy (KJ mol )1 ), R is the gas constant (8.31432 J K )1 mol )1 ), and T k is the absolute temperature (K). In the numerical model, the value of k for a given time step can be considered as constant, therefore, integration of Eq. (8) over a time step gives:
where V p is the V value of the previous time step. The fraction of oil or gas generated (X) is complementary to V (the remaining fraction of oil or gas) (i.e. X = 1 ) V), therefore we have:
where X p is the X value in the previous time step. Both X o and X g are calculated in the same way, although they have different k values. The timing and rate of hydrocarbon generation are controlled by the pre-exponential factor A and the activation energy E in the Arrhenius equation, which differ significantly for different types of kerogens (Peters et al. 2006) . For type II kerogens in marine siliciclastic rocks like the Macasty Formation (Bertrand 1991) , an A o value of 8.14 · 10 13 ⁄ s or 2.92 · 10 17 h )1 and an E o value of 215.2 kJ mol )1 are adopted from Pepper & Corvi (1995) ( Table 4) . A g and E g values for oil-to-gas cracking are set to be 3.6 · 10 16 h )1 and 230 kJ mol )1 respectively, based on data for intra-source oil cracking as summarized in Pepper & Dodd (1995) (Table 4) . Sensitivity studies were carried out by varying the kinetic parameters. The program used for the numerical modeling was first written in FORTRAN by Chi & Savard (1998) and then modified and written in C++ by Chi (2001) . Further modifications were made in the course of the present study to account for the effect of hydrocarbon generation on overpressure development as described earlier. The program is similar to Basin2 TM (Bethke et al. 1993) for overpressure calculation; the latter has many other functions but does not include hydrocarbon generation in its current released version. Modeling results obtained with our program without hydrocarbon generation are similar to those obtained with Basin2 TM . 
References: (1) Lee & Williams (2000) ; (2) Speight (2006); (3) Pepper & Corvi (1995) ; (4) Pepper & Dodd (1995) .
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SIMULATION RESULTS

Overpressures caused by disequilibrium compaction
Modeling of fluid flow without hydrocarbon generation was carried out by assigning 0% TOC to all hydrogeologic units. The simulation results indicate that significant fluid overpressures caused by disequilibrium compaction developed during certain stages of basin evolution (Fig. 3) . The overpressure values were highest in the basin center in the lower part of the Vauréal Formation, and decreased upward, downward, and laterally toward the basin margin (Fig. 3) . The evolution of fluid overpressures in different strata at different times and different locations in the basin is highlighted in Figs was the highest. A strongly overpressured core developed above the Macasty Formation (Fig. 3) , which continued to be present during sedimentation of the Anticosti Group, although overpressure values gradually decreased. By the end of sedimentation in the basin (386 Ma), only minor amounts of overpressure remained. In shallower parts of the basin, in contrast, fluid pressures remained close to hydrostatic values throughout basin history, except during 
Overpressures related to hydrocarbon generation
Simulations of fluid overpressure based on petroleum generation plus disequilibrium compaction produced almost identical results as the compaction-only models for the period of time from Cambrian to the end of the Ellis Bay Formation, as illustrated by fluid overpressure in the Macasty Formation at the basin center (Fig. 5) . This is consistent with the timing of hydrocarbon generation, as significant oil generation did not start until the beginning of the Anticosti Group (Fig. 5A ). After this point, fluid overpressure is slightly higher than in the case of no hydrocarbon generation (Fig. 5B) . Fluid overpressure started to increase after 424 Ma (Fig. 5B ), which coincides with the start of gas generation (Fig. 5A ), peaked at 412 Ma, and then decreased with time again (Fig. 5B) . The calculations have not taken into account the effect of relative permeability decrease (due to presence of hydrocarbon phases) on fluid overpressure, and therefore the results should be interpreted as the minimum effect of hydrocarbon generation on fluid overpressure. At the end of Anticosti Group sedimentation (428 Ma), the Macasty Formation in the central part of the basin was at the end of the oil window (Fig. 5) . Fluid overpressures were slightly higher than in the compaction-only model, and the overpressure distribution almost identical (compare With oil and gas generation Without oil and gas generation Figs 3 and 6 at 428 Ma). By the end of sedimentation in the basin (386 Ma), the Macasty Formation had passed beyond the gas window at the basin center, and was in the gas window or oil window further north (Fig. 7) . A fluid overpressure core developed in the lower Vauréal Formation north of the basin center (Fig. 6) , where the Macasty and the lower Vauréal formations were in the gas window (Fig. 7) . This overpressure core is much more prominent than in the compaction-only model (compare Figs. 3 and 6 at 386 Ma).
Sensitivity studies
Previous studies have shown that fluid overpressure related to disequilibrium compaction is sensitive to rock permeability, and permeability values for a given lithology typically vary over two orders of magnitude (Harrison & Summa 1991) or more. Simulations of fluid overpressure caused by disequilibrium compaction in the Anticosti Basin were carried out with sandstone, shale, and limestone permeabilities one order of magnitude higher and lower than those presented above. Thus, the permeability (in darcies) was varied from log k x = 15/ ) 4 to log k x = 15/ ) 2 for sandstone, log k x = 8/ ) 9 to log k x = 8/ ) 7 for shale, and from log k x = 6/ ) 5 to log k x = 6/ ) 3 for limestone (see eqn 2 and Table 3 ). Fluid overpressure increased significantly with decreasing permeability, as illustrated by the overpressure profile at the basin center (Fig. 8) . At the end of Ellis Bay Formation sedimentation (439 Ma), the maximum fluid overpressure is 19.9 bars for the higher permeability case, 145.2 bars for the intermediate permeability case, and 292.4 bars for the lower permeability case (Fig. 8A) . The maximum fluid overpressure is located in the lower Vauréal Formation for the higher and intermediate permeability cases, and in the Macasty Formation for the lower permeability case (Fig. 8A) . At 386 Ma, the maximum fluid overpressure diminishes to 1.8 and 11.9 bars for the higher and intermediate permeability cases respectively, and to 64.8 bars for the lower permeability case (Fig. 8B) . The maximum overpressure is located in the lower Vauréal Formation for the intermediate and low permeability cases (Fig. 8B) . Kinetic parameters of kerogen-to-oil conversion can also vary over a wide range of values (Peters et al. 2006 respectively (Peters et al. 2006 ). According to Pepper & Dodd (1995) , the kinetic parameters related to oil-to-gas conversion also vary considerably, from A g = 3.6 · 10 15 h )1 and E g = 225.9 kJ mol )1 , to A g = 1.08 · 10 18 h )1 and E g = 238.6 kJ mol )1 . Two sets of sensitivity simulations were carried out, one assuming fixed oil-to-gas conversion parameters (Table 4) and varying kerogen-to-oil parameters, the other assuming fixed kerogen-to-oil conversion parameters (Table 4) U V auréal + Ellis Bay U V auréal + Ellis Bay Fig. 9 . Sensitivity studies showing the effect of kinetic parameters on timing of oil and gas generation (A and B) and fluid overpressure development (C and D) in the Macasty Formation at the basin center. (A) and (C) assume a fixed set of gas generation kinetic parameters (Table 4 ) and varying oil generation parameters (Table 4) , whereas (B) and (D) assume a fixed set of oil generation kinetic parameters and varying gas generation parameters.
varying oil-to-gas conversion parameters. Simulation results indicate that varying the kerogen-to-oil kinetic parameters significantly changes the timing of oil generation (Fig. 9A) , but has minor effect on fluid overpressure (Fig. 9C) . Similarly, varying the oil-to-gas conversion kinetic parameters changes the timing of gas generation (Fig. 9B) . The effect on the magnitude of fluid overpressure is minor, but the timing of the second fluid overpressure peak related to gas generation is significantly different for the different oil-togas conversion parameters (Fig. 9D) .
Impelling force of oil and gas migration
According to Hubbert (1953) , the impelling force of hydrocarbon (oil or gas) migration (E HC ) is determined by a combination of buoyancy force and the impelling force of water (E W ), and can be expressed as:
where q HC is the density of oil or gas, q W is the density of water, and g is the gravity. The impelling force of water flow is related to fluid overpressure (w) by
The vertical impelling force of hydrocarbon migration can then be written as
The first term reflects the buoyancy force, and the second term is the impelling force of water.
A calculation of the impelling force for oil and gas generated in the Macasty Formation was carried out for the end of the Anticosti Group (428 Ma) and the end of sedimentation of the basin (386 Ma), and the results are listed in Table 5 . The impelling force of water is calculated based on the difference between the maximum overpressure (in the Lower Vauréal Formation) and the overpressure at the base of the Macasty Formation. At 428 Ma, the Macasty Formation within 33 km north of the basin center has entered or just passed the oil window ( Figs 5A and 7) . The downward vertical impelling force for water is from )1.18 to )1.67 m s )2 , which is stronger than the upward buoyancy force of 0.43 to 0.58 m s )2 . As a result, the combined impelling force for oil is negative (downward; Table 5 ). At 386 Ma, the Macasty Formation was in the gas window in the area 33-55 km from basin center and in the oil window 77-132 km north of the basin center (Fig. 7) . For oil, the buoyancy force ranges from 0.48 to 0.62 m s )2 , and the vertical impelling force for water is )0.05 to )0.25 m s )2 (Table 5 ). For gas, the buoyancy force ranges from 38.83 to 42.67 m s )2 , and the impelling force for water is from )1.21 to 1.29 m s )2 (Table 5 ). The combined vertical impelling forces are consistently upward and range from 0.30 to 0.43 m s )2 for oil and from 37.62 to 41.38 m s )2 for gas (Table 5) .
DISCUSSION: IMPLICATIONS FOR HYDROCARBON MIGRATION
The source rock of the Macasty Formation is located in the lower part of the sedimentary succession in the Anticosti Basin (Fig. 2) and thermal maturation studies (Bertrand 1987 (Bertrand , 1990 (Bertrand , 1991 indicate burial to the oil window Positive values indicate upward forces and negative values indicate downward forces; q HC = density of hydrocarbons; q W = density of water; g = gravity; DW = fluid overpressure difference between the maximum overpressure (in the lower Vauré al Formation) and that at the base of Macasty; Dz = vertical distance between the point of maximum overpressure and the base of Macasty.
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in the northern part of the basin and to the gas window in the southern part. Given the high TOC values and large thickness of the Macasty Formation, large amounts of oil and gas may have been generated. The question is where the hydrocarbons may have flowed and accumulated.
Directions of hydrocarbon migration
The direction of hydrocarbon migration is determined by three forces including the capillary effect, the buoyancy force, and the impelling force of groundwater flow (Hubbert 1953) . Flow patterns are also controlled by the permeability anisotropy of the strata. Thus, under a given hydraulic condition, lateral flow is facilitated by bedding-parallel permeability higher than bedding-perpendicular permeability. The impelling force of groundwater flow is directly related to the gradient of fluid overpressure. Fluid-flow simulation results indicate that the maximum fluid overpressure near the basin center occurred above the major source rock, forming a pressure barrier unfavorable for upward hydrocarbon migration. In a compaction-only model, maximum overpressure developed in the lower part of the Vauréal shales due to high sedimentation rates during deposition of the Vauréal and Ellis Bay formations. The shales of the Macasty Formation and lower part of the Vauréal Formation compacted rapidly, and the escape of pore fluid was limited by low permeability. Even higher overpressures might have been achieved if we had considered loading from thrusting near the structural front (Ge & Garven 1992) . Sensitivity studies indicate that the magnitude of fluid overpressure depends largely on the permeability of the rocks, although the overpressure distribution pattern remains more or less the same, with maximum overpressures in the lower Vauréal Formation above the Macasty Formation (Fig. 8) . Fluid overpressure in the lower Vauréal Formation decreases with time after sedimentation of the Ellis Bay Formation, but this decline is slightly slowed down by the generation of oil and gas. Fluid overpressure then increased during the peak generation of gas (Fig. 5) . As a result, a prominent overpressured core was maintained above the Macasty Formation in the central part of the basin during oil and gas generation (Fig. 6) . Such a distribution of fluid overpressures is generally favorable for downward migration of hydrocarbons generated in the Macasty Formation in the central part of the basin.
Calculations of the impelling forces of oil and gas considering buoyancy and fluid overpressure indicate that the oil in the Macasty Formation would migrate downward at 428 Ma, but that gas and oil generated at 386 Ma would migrate upward (Table 5 ). Most oil in the central part of the basin would have been generated before 428 Ma (Figs 5A and 9A) , so that downward migration of oil is expected near the basin center. Downward migration of oil is also likely in the area further to the north between 428 and 386 Ma if the effect of capillary force is considered. The capillary force tends to expel oil from fine-to coarsegrained sediments (Hubbert 1953) . As the Macasty Formation is capped by the fine-grained lower Vauréal Formation and underlain by the coarser-grained Mingan Formation, the general effect of capillary force is to enhance downward migration of oil. For gas, the buoyancy force is so much higher than the downward impelling force related to fluid overpressures ( Table 5 ) that downward migration is unlikely even if the effect of capillary force is considered.
Because the overpressure gradient decreases significantly downward from the Macasty-Mingan contact (Figs 3 and  6 ), it is difficult for oil to migrate all the way to the Romaine Formation. One potential mechanism for oil to reach the Romaine Formation is through episodic opening of subvertical faults as a consequence of fluid overpressure development (Payne et al. 2000) . Subvertical faults in the Romaine, Mingan, and Macasty formations, visible on seismic profiles (Lynch & Trollope 2001; Lynch & Grist 2002) , may have been re-activated by fluid overpressures in the lower Vauréal formation and acted as conduits for downward hydrocarbon flow.
The inferred hydrocarbon flow pattern, combined with the observation that the carbonate rocks of underlying the source beds have locally high porosity (Chi & Lavoie 2001; Lavoie et al. 2005 Lavoie et al. , 2009 , suggests that the Romaine and Mingan formations may have served as reservoirs or carrier beds. Migration of oil in the Romaine Formation is supported by bitumen-coating pore space, hydrocarbon fluid inclusions in late pore-filling calcite and barite cements, and oil and gas shows in almost all ancient drill holes (Chi & Lavoie 2001; Lynch & Trollope 2001; Lynch & Grist 2002; Lavoie et al. 2005 Lavoie et al. , 2009 .
Once hydrocarbons were expelled into the underlying carbonates and the downward impelling forces diminished, they could migrate laterally (up-dip) toward the basin margin until migration was stopped by an impermeable barrier. If oil was generated and expelled into the Mingan and Romaine carbonates but did not migrate laterally from the basin center, it would be eventually converted to gas, because the basin center entered the gas window in the later part of the basin history. In the northern part of the basin, fluid overpressures were much smaller than in the central part of the basin, and hydrocarbons were more likely to migrate upward and laterally toward the basin margin.
In summary, the simulation results suggest that oil generated in the organic-matter-rich Macasty shales tended to migrate downward near the basin center and upward in shallow parts of the basin. Natural gas, however, is more likely to migrate upward throughout the basin. The potential hydrocarbon migration pattern is illustrated in Fig. 10 . Downward-migrating oil may have been trapped in the carbonates of the Mingan and Romaine formations beneath the source beds, or continued to migrate laterally (path 1 in Fig. 10 ) toward the basin margin through the carbonate carrier beds, especially in the later stages of the basin, when fluid overpressures related to sediment compaction and hydrocarbon generation were dissipated and gravity-driven flow dominated. Hydrocarbons in the carrier beds may have been trapped by tectonic, lithologic, or diagenetic closures in the Romaine and Mingan carbonates, as discussed in Lavoie et al. (2005) . In places where subvertical faults cut through the Mingan and Romaine formations, the hydrocarbons may have migrated upward from the carrier beds to be trapped below the Macasty shale (path 2 in Fig. 10 ). Hydrocarbons generated from the Macasty shale in areas away from the basin center may have migrated upward and formed reservoirs, if favorable trapping conditions exist (path 3 in Fig. 10 ), although most of these reservoirs may have been eroded in a later stage of the basin history. In the southern part of the basin, gases generated in the Macasty Formation may have migrated upward into the overlying strata (path 4 in Fig. 10 ). The Lower Silurian Chicotte Formation (the youngest unit exposed along the southwestern coast of Anticosti Island) is highly porous (Desrochers 2004; Lavoie 2009) , and a potential overlying seal is recognized along some seismic profiles south of Anticosti Island (Roksandic & Granger 1981; SOQUIP (Société Québécoise d'Initiatives Pétroliè-res) 1987; Sanford & Grant 1990; Lavoie et al. 2009 ).
Timing of hydrocarbon migration and reservoir development
Based on organic-matter maturation studies, Bertrand (1987 Bertrand ( , 1990 Bertrand ( , 1991 concluded that the Macasty shale reached the gas window in the southern part of the Anticosti Basin, whereas this potential source rock is still in the oil window in the northern part of the basin. Our simulation results indicate that the Macasty Formation in the basin center was in the oil window (10-90% oil generated) from 440 to 430 Ma (during sedimentation of the Anticosti Group) and the gas window (10-90% gas generated) from 430 to 405 Ma (Fig. 5A ), using the optimal kinetic parameters of Pepper & Corvi (1995) and Pepper & Dodd (1995) . The age of maturation of the source rock gradually becomes younger toward the basin margin, thus at 386 Ma, the end of sedimentation, the Macasty Formation was in the oil window near the middle of the cross-section and immature near the basin edge (Fig. 7) . Sensitivity studies indicate that the timing of oil and gas generation is highly uncertain due to uncertainties in kinetic parameters related to kerogen-to-oil and oil-to-gas conversions. Permissible oil-window time intervals for the Macasty Formation at the basin center may vary from 440-430 Ma to 435-415 Ma (Fig. 9A) , and the time interval in the gas window may vary from 433-412 Ma to 428-401 Ma (Fig. 9B) . The timing of oil and gas windows in other parts of the basin varies accordingly, younging toward the basin margin. Thus, oil generation in the Macasty Formation in the Anticosti Basin as a whole may have lasted from 440 Ma to <386 Ma, and gas generation from 433 Ma to <386 Ma.
The timing of hydrocarbon generation relative to the development of porosity and permeability in potential reservoir rocks or carrier beds is important for hydrocarbon migration and charging. Diagenetic studies indicate that porosity in the Romaine dolostones is mostly secondary in origin, and owes to dissolution by basinal fluids at elevated temperatures (Chi & Lavoie 2001; Lavoie et al. 2005 Lavoie et al. , 2009 Downward hydrocarbon migration in Paleozoic Anticosti Basin 347 cementation and early dolomitization, was coeval with latestage dolomitization and sulfide mineralization, and predated at least one phase of oil migration (Chi & Lavoie 2001; Lavoie et al. 2005) . Although the age of the porosity-generating dissolution is unknown, it is possible that the dolomitization and dissolution processes took place before or during the generation of oil and gas. The oil inclusions trapped in late, pore-filling calcite and barite cements in the Romaine Formation at the NACP well on Anticosti Island (Fig. 1B) indicate a relatively late oil migration event at low temperatures and pressures (80º-90°C and 345-392 bars; Chi et al. 2000) . The oil most likely resulted from secondary migration or dismigration from deeper parts of the basin. One scenario is that oil generated in the Macasty Formation first migrated into the underlying Mingan and Romaine carbonates and then up-dip along the carrier beds. As the Macasty Formation gradually entered the gas window, more gas migrated into the carrier beds, following the same conduits as the oil. The high pressure caused by gas generation may have accelerated oil migration toward the basin margin. Some previously trapped oil may also have been expelled and migrated at a late time, perhaps after maximum burial (386 Ma), due to the late generation of gas.
CONCLUSIONS
Numerical modeling of fluid flow in the Anticosti Basin indicates that significant fluid overpressures may have developed during basin evolution. Both sediment compaction and hydrocarbon generation contributed to the development of overpressures, but disequilibrium compaction seems to be the most important factor. Maximum fluid overpressures developed in the lower part of the thick Vauréal shale near the basin center, which is located above the Macasty source rocks. This overpressure barrier may have forced oil generated in the Macasty Formation to flow downward into the underlying Mingan and Romaine carbonates, potentially forming hydrocarbon reservoirs. These hydrocarbons could also have migrated further up-dip toward the basin margin through the Mingan and Romaine carbonate carrier beds until they were trapped. In contrast, in the northern part of the basin, fluid overpressures were generally weak, and therefore hydrocarbons (mainly oil) tended to migrate upward. Gas generated in the Macasty Formation is likely to migrate upward throughout the basin. The generation of oil and gas may have lasted after maximum burial, and secondary migration of hydrocarbons may have occurred fairly late in the history of the basin.
